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Premise 
 

 The value that DR provides to the distribution system is site specific, time specific and project 
specific.  

 No market structure exists to monetize the distribution system value of DR, hence it currently has 
no market value in the MADRI region. 

 DR investment is suffering as a consequence. 
 Utility distribution companies hold the key to monetizing the distribution system value of DR. 
 A lack of appropriate incentives and “cultural inertia” prevents most electric distribution 

companies from considering DR as a potential distribution system resource.  
 
Goal 
 

 Develop a new model for monetizing DR distribution system values. 
 Provide the appropriate incentive structure for distribution company operators and third parties to 

invest in DR for distribution system benefits. 
 
Key Principles 
 

 At a minimum, DR distribution system operators need to be “made whole” for any DR 
development that occurs, i.e. lost throughput, recovery of any avoided cost payments to third 
parties. 

 Calculated DR values need to reflect the fact that, in most instances, DR will defer distribution 
investment, not replace it. 

 There must be transparency with regard to potential DR project opportunities and 3rd parties and 
distribution companies should be afforded the same opportunity to compete for projects. 

 
Model Concept 
 

 Distribution company operators would be required to develop, on an annual basis, an average 
avoided cost for distribution system investments based on specific projects they believe would 
lend themselves to DR 

o Since this is an average, some projects might provide more benefit than the calculated 
avoided cost and some less 

o Load profile analogy, some customers use more some use less than the profile would 
predict 

 This avoided cost would be paid for either utility or 3rd party developed DR projects for a 
specified term as long as certain performance requirements were satisfied. 



 The avoided cost calculation would be updated annually along with a list of potential distribution 
projects that could be satisfied with DR. 

 At the end of the year, the distribution company operator would calculate the actual benefits 
realized vs the avoided cost payment for both utility and non-utility projects. 

 If benefits exceed avoided costs, 50% of the difference between the calculated benefit and the 
avoided costs would be paid as a bonus to the 3rd party or retained by the distribution company 
shareholders 

o Note: The fact that 3rd parties would be eligible for this bonus would provide an incentive 
for the utility to not develop a “low ball” avoided cost calculation. 

o Also, the commission would be expected to review and approve the avoided cost 
calculation 

 If the benefits were less, recovery of the avoided cost payment would still be allowed, however, 
the distribution company would be expected to reflect this fact in subsequent year avoided cost 
calculations if a large number of projects were found to provide less benefit than the calculated 
avoided cost. 

 If more than one 3rd party seeks to develop a DR project at the same site, or the distribution 
company also wants to develop the site with a DR project, the project will be awarded to the entity 
that bids the largest discount to the avoided cost.   For “competitive” projects, any bonus 
calculation will be determined based on the calculated avoided cost, not the discounted avoided 
cost. 
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A WORK PLAN FOR DEVELOPING A “DER CAPACITY OPTION”  
 

FOR CONSIDERATION BY MADRI 
NOVEMBER 21, 2005 

By 
Jim Torpey 

Madison Energy Consultants 
 
 

INTRODUCTION 
 

MADRI stakeholders have indicated a desire to increase the amount of distributed energy 
resources (DER) available within the PJM market in the states of New Jersey, 
Pennsylvania, Maryland, Delaware and Washington D.C.  The benefits of increasing the 
amount of available DER include improving the operations of electricity markets in the 
region.  Initial business case modeling has indicated that the values that can be monetized 
today are inadequate to sustain a viable distributed resource business.  Approaches to 
monetize additional values led to a presentation at the MADRI Business Case Group on 
October 20, 2005 of two alternatives.  The following approach was chosen at that 
meeting as the initial model to pursue.  Included also is a work plan for developing a 
model rule to implement the approach within the MADRI states.   
 
 
ADDING A “DER CAPACITY OPTION” REQUIREMENT AT THE 

STATE LEVEL WITHIN THE MADRI REGION 
 
 
ESTABLISHING THE REQUIREMENT 
 

• Each individual state within MADRI will choose whether to adopt a DER 
capacity option requirement for utilities in their state.  State A represents one state 
that chooses to do so. 

• State A requires that .25% of its peak electrical demand for electricity in 2007 
come from demand response or other distributed energy resources (DER) that 
reduce demand on the distribution grid within targeted areas.  The percentage 
requirement is then translated into a state wide annual requirement for Year One 
(2007). 

• State A also establishes an increasing requirement for Years 2008-2013, (e.g. 
.5%/.75%/1%/1.5%/2%/2.5%).  Off ramps would be established where the PUC 
could reduce requirements for 2008-2013 if necessary.   



• The annual “capacity option” requirement is divided among all the state’s local 
distribution companies (LDC) in proportion to their share of overall system peak 
load.  

• Each local distribution company (LDC) is responsible for procuring or supplying 
their required megawatts of DER via seven year contracts.  Each LDC will issue 
an RFP that offers a seven (7) year contract for an entity that can provide DER 
within the target area.  The bidders respond with a $/kw/yr. price for the DER.  
Utilities will choose the lowest bids that meet program specifications. 

• Contracts would be valid for their term even if future “capacity option” 
requirements were scaled back.  

 
DEFINING THE RESOURCE 
 

• Each LDC would file an annual report with the PUC that identifies the “capacity 
option target areas” within their distribution system.  The target areas would be 
identified by substation, county or other appropriate geographic delineation.  It is 
anticipated that the target areas would cover between 10-50% of the utility’s 
service territory. 

• Eligible DER would include customer or utility owned equipment that can be 
operated within local permitting rules.  

• DER would be eligible if it leads to measurable, verifiable load reductions during 
“Capacity Option” events (resulting in changes to a customer’s usage from pre to 
post event) The DER must be capable of being remotely dispatched from a central 
location (e.g. the distribution dispatch center, PJM, etc.).  Rules for calculating the 
end-use customer's baseline usage and the Weather Sensitive Adjustment Factor 
would be congruent with those of PJM. 

• The DER must be metered or be a resource participating in PJM’s Unmetered 
Demand Response Pilot Program. 

• State A (in consultation with PJM and the distribution utilities) would identify the 
seasonal requirements of the dispatchable DER.  Within the MADRI area, 
presumably this would result in an identification of the summer months as a target 
season.  Only resources that could be used and useful within this identified season 
would be eligible to meet the DER requirement.   

• The LDC’s and the State PUC will establish a working group to design standard 
terms and conditions for the ‘DER Capacity Option” RFP and the contract (e.g. 
required hours of availability, types of eligible resources, acceptable metering 
etc.). 

 
PROGRAM OPERATIONS 
 

• Each LDC selects one or more of the bidders to help meet their required MW 
total, signs a capacity option contract and monitors the deployment activity. 

• In order to qualify to receive a capacity option payment, DER providers must 
respond to all PJM emergency load response program calls.  In addition, each 
utility will be responsible for dispatching the participating DER on at least one 
peak load day during each summer.  Each utility shall also have the right, but not 



the obligation, to dispatch the system up to five times during the summer peak 
period.  Utilities will make annual payments per the capacity option contract, at 
the end of the summer performance period. 

• DER owners shall have the right to dispatch their DER over and above the five 
times reserved for the local utility. 

 
 
 
REGULATORY MECHANISM 
 

• State A would establish a kilowatt hour surcharge that all customers would pay.  
All reasonable costs incurred by utilities that are associated with procuring and 
operating the “capacity option” resources would be recovered through this 
surcharge, thereby allowing timely recovery of expenses. 

• Utilities choosing to meet all or part of their “capacity option” requirement by 
directly installing utility owned equipment will add this equipment to their rate 
based investments subject to PUC oversight and approval. 

• On an annual basis, each distribution utility in the State reports to the PUC on the 
target areas within their distribution system where DER may have distribution 
value for increasing reliability or avoiding utility construction.  The report would 
also include an analysis of the value (if any) that the DER installed to date has 
added to utility operations. 

• As an incentive, the LDCs could receive a performance award of $__/kw for all 
DER actually deployed in target areas as a result of the “capacity option” 
program. 

• As a penalty, the LDCs would pay $___/kw for any shortfall in meeting their 
requirement. 

 
 
 
 
WORK PLAN 

1. November 2005- January 2006.  Develop details of the Capacity Option 
approach. 

2.  February 2006- Present detailed proposal to MADRI.  Revise proposal as 
necessary. 

3. March 2006- Develop model rule for consideration by MADRI.  Present rule 
at workshop for regional Commissioners and Staff. 

4. April 2006- Meet with individual State Commissions and Staffs to discuss 
how to customize the model rule for each State within MADRI. 

 
 
 

 



A WORKPLAN FOR DEVELOPING UTILITY BUSINESS MODELS 
FOR DEMAND RESPONSE  

Draft: 17-Oct-05 
 

INTRODUCTION 
 
MADRI stakeholders have indicated a desire to increase the amount of demand response 
within the PJM market.  They recognize the essential role which investor-owned electric 
utilities can play in making this happen, and are exploring alternative rate regulatory 
models by which utilities can make a business out of developing DR load. 
 
RATE BASING MODEL 
 
The rate basing business model provides both assurance of cost recovery, and an 
incentive tied to cost-effectiveness that compensates the utility for DR risks: 
 

• The utility funds a DR project. These dollars are added to utility rate base (i.e., 
they earn the utility’s allowed return). 

• The utility estimates the project’s benefit/cost ratio, pursuant to regulatory 
oversight.  

• The commission provides a return premium, based on the b/c ratio (i.e., the higher 
to ratio, the larger the premium; projects with a zero, or negative, ratio get no 
premium).  

• DR project revenue requirements are recovered through a surcharge. 
 

AGGREGATION MODEL 
 
The DR aggregation business model allows the utility to offer business services to DR 
customers (e.g., aggregation, bidding, verification) on a voluntary, negotiated basis: 
 

• The utility negotiates a fee, or margin, with DR customers for services related to 
DR aggregation.   

• The utility aggregates DR loads. (Note: We assume customers finance DR 
projects, although the utility could do this with funds below the line.) 

• The utility bids an aggregated DR load into one or more wholesale markets (e.g., 
energy, capacity, ancillary services). 

• To the extent the utility’s DR bid wins and receives a payment from the 
independent system operator, the utility remits payments to DR customers, 
reserving a percentage to it. (Note: depending on how the utility and DR 
customers negotiate compensation, the utility may receive a service fee and/or a 
% of the ISO payment.) 

 



RATE INDEXING MODEL 
 
The rate indexing model allows retail rates to escalate over time according to some 
formula. By deploying DR projects that allow the utility to reduce its costs relative to the 
formula, it can realize higher return on equity (ROE): 
 

• The commission approves a multi-year alternative regulatory plan that ties the 
utility’s allowed revenues to an index (e.g., inflation minus productivity growth, 
customer growth, or other utility rates in the region).1 

• The utility implements a DR project to optimize distribution cost.  
• The capital costs of the DR project are added to the utility’s rate base (i.e., they 

earn the utility’s allowed return). 
• Revenue requirements for the DR project are recovered through a surcharge.  
• If the DR project is economically efficient (i.e., if it reduces the utility’s cost), it 

increases the utility’s realized ROE. 
 
FIXED INCENTIVES MODEL 
 
The fixed incentives model pays utilities a premium for installed DR capacity, and may 
be best suited to situations where simpler mechanisms are preferred: 
 

• The commission establishes a fixed incentive per MW of installed DR capacity.  
• The utility funds the development of a DR project. 
• The utility’s capital investment is added to rate base (i.e., it earns the utility’s 

allowed return). 
• In addition to the utility’s nominal return, it earns a premium on the project’s 

capital costs, equal to the fixed incentive rate established by the commission.  
• DR costs are recovered through a surcharge. 
• The incentive portion of the return is incremental to base earnings and is not 

treated as an offset to revenue requirements.  
 
October 20, 2005 – Discuss pros and cons of alternative utility, and other, business 
models. Decide which, if any, to proceed with. If the decision is to proceed, review 
the work plan and assign tasks for the implementation team.  
 

                                                 
1 See for example, Central Maine Power Company’s ARP 2000: PUC Docket No. 99-
666, Nov. 16, 2000,  
 http://mainegov-images.informe.org/mpuc/orders/1999/99666stip.pdf   
See also National Grid’s long-term rate plan in Massachusetts: DTE Docket No. 99-47, 
decision dated 11/29/2000 available at:  
http://www.mass.gov/dte/electric/99-47/finalorder31400.htm    
 
 

http://mainegov-images.informe.org/mpuc/orders/1999/99666stip.pdf
http://www.mass.gov/dte/electric/99-47/finalorder31400.htm


WORK PLAN 
  
1. November 2005 to January 2006 - Document the preferred utility business models 

emerging from discussions on 10/20 in a white paper. Conduct one or more 
conference calls with members of the Subgroup – modifying the white paper, as 
needed - to build consensus on the white paper.   

 
2. February 2006 – Present detailed proposal to MADRI. Revise as necessary.  

 
3. March 2006 – Deliver final MADRI recommendations regarding utility business 

models. 
 

4. March 2006 - Conduct a workshop at the NARUC Winter meeting (3/06) to 
showcase business model / policy recommendations, and other products of the 
MADRI process.   

 
5. April 2006 to May 2006 - To the extent MADRI prepares materials for PJM states 

to help address the new DR-related PURPA standards (Time-Based Metering and 
Communications, Net Metering, DG Interconnection), include MADRI 
recommendations re. utility business models.  

 
ISSUES FOR DISCUSSION 
 

• Regarding the Rate Basing Model, what kinds of benefits should be included in 
calculating a benefit/cost ratio of the Rate Basing model? How should regulatory 
oversight on the benefit/cost ratio be accomplished (e.g., on a project by project 
basis, or part of a larger resource planning process)? 

• Regarding the Aggregation Model, if the utility funds the DR project, should it do 
so with funds below the line (i.e., from net income available for shareholders)?  If 
it does, should it be free to negotiate a margin of any ISO payments? 

• Regarding the Rate Indexing Model, what kind of an index should be used (e.g., 
GDP-PI)?  Should productivity be measured, or is it acceptable for commissions 
to assign offset values administratively?  Can a multi-year formula accommodate 
the need for new capital investments (e.g., for distribution system enhancement)? 

• Regarding the Fixed Incentives Model, is there a risk that would deliver DR that 
is not cost-effective? If so, would this harm customers?  
 

 



 
Section 5 – Designing Financial Incentives for Utility Involvement in Distributed 

Resources 
 

Draft 9/12/2005 

                                                

Section 5 – Designing Financial Incentives for Utility Involvement in 
Distributed Resources    

As has been discussed previously, utilities are uniquely qualified to encourage  the deployment 

of efficient distributed resources (DRs) due, among other things, to their on-going account 

management of likely candidates within their service territories. As with any business, it is 

essential that they have an opportunity to earn a return for their efforts. These efforts would be to 

promote the efficient development and use of distributed resources.  Utility involvement in 

distributed resources will not be optimized or maximized merely by the removal of disincentives 

or barriers.  While removing disincentives or barriers is a necessary step, it is not sufficient to 

elicit the commitment required to fully exploit efficient distributed resource development.  To 

make this happen, utilities must be allowed to make a business out of DR, by earning a return 

appropriate to compensate for the risks involved so that they have an incentive to spur the 

development of efficient DR  

Well designed financial incentives can produce benefits for customers by encouraging the kind 

of DR development that lowers cost to society, even as utilities earn a return on DR activities.  

Well deigned incentives will bring forth the creativity and innovation needed to configure DR 

services in ways that work for retail customers.  

In this section1 we will explore several different models for promoting utility involvement in 

distributed resources through financial incentives.  These models generally are constructed from 

regulatory concepts that are well established and would be tailored to reward the promotion of 

efficient DR.  Before turning to the specific models we will briefly discuss some principles that 

must apply if utility involvement in DR is to be encouraged in an optimal manner. 

1. Incentives should be tailored so that the DR initiatives that result are efficient.  
Efficient means that the benefits resulting from these DR initiatives outweigh costs 
and customers are generally better off and none are worse off as a result of DR.  DR 
investments which are not cost beneficial or benefit some customers at the expense of 
others are not efficient and should not be encouraged with incentives. 

 
1 In previous sections of the paper we have addressed ways to remove disincentives to utility promotion of DR 

deployment such as providing for targeted recovery of lost revenues and implementing rate designs that rely on 
contract demands as opposed to metered demand or energy to recover the costs of distribution facilities. 
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2. While utilities have a unique role to play in encouraging DR, efficient DR programs 
will not be limited to those in which the utility is the only or the primary developer.  
The important role of the competitive market and competitive DR suppliers should be 
recognized and incentives should encompass utility efforts to collaborate with and 
support these DR suppliers. 

3. The recovery of DR investments and expenses should be timely and full.  If DR 
expenditures, which may not be large relative to total costs, are recovered through 
specific rate mechanisms that clearly provide for full and timely recovery, the 
incentive to invest in DR will be at its greatest.  

4. The recovery of earned incentives should be clearly incremental to base earnings.  
Incentive mechanisms that do not provide incremental earnings will not provide an 
effective inducement to DR involvement by utilities.    

5. The particular incentive mechanism can be tailored to the purpose and jurisdiction.  
Jurisdictions that are open to more complex ratemaking and  longer term price 
indexing plans can achieve incentives that are both stronger and reward efficiency in 
DR implementation.  More conservative jurisdictions can still provide incentives that 
should prove effective at encouraging DR deployment, but these incentives may be 
weaker and less well targeted to efficiency in DR deployment. 

1. Rate Basing with Incentive Rates of Return 

The first basic model explored is rate-basing of investment in distributed resources with an 

incentive rate of return.  This model is most likely to be attractive in situations where the utility 

would make a significant investment in distributed resources – e.g., distributed generation, or 

other capital investments to allow load shifting or shedding.  There may well be circumstances in 

which distributed resources that require significant capital investment provide an efficient 

solution, but institutional barriers limit the market development of these resources.  The utility 

may be in the best situation to overcome these barriers by direct investment and ownership.  In 

evaluating investment opportunities, utilities will consider both risk and return.  The incentive to 

invest will be at its highest when the risk-return balance provides reasonable risks of cost 

recovery and returns that are attractive for the risk taken.  Distributed resources are likely to pose 

risks that are novel and difficult to evaluate.  For example, the dispersed nature of the 

investment, the decentralized operating requirements and the significant customer involvement 

required to make DR work are all factors that can add to risk.  To mitigate these risks and 

provide a financial incentive, utilities should be ensured of a clear opportunity to recover capital 
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investment in DR and to earn an enhanced return on distributed resources, which may require 

significant investment. 

The suggested model would involve tracking and capitalization of DR program costs and 

investments.  These capitalized costs would then be recovered over an appropriate amortization 

period that reflected the expected economic life of the DR equipment.  The utility would be 

allowed an incentive equity return on unamortized DR investment that compensated it for the 

technical and commercial risks involved.   Incentive returns have been found desirable in a 

variety of situations.  The FERC has found that incentive return levels should apply to 

transmission investments in certain situations to achieve policy goals with respect to 

transmission.  Incentive returns have also been provided by state regulators in connection with 

achieving DSM goals to promote that policy alternative.  Incentive returns have been provided in 

connection with performance-based ratemaking plans to compensate for risk and reward 

efficiency.  Finally incentive returns have been provided to compensate for risk.  In connection 

with DR, the incentive portion of the return would be motivated by three factors.  First, there are, 

as discussed above, risks to DR that exceed normal investment risks and require a higher level of 

compensation.  Second, there is a policy goal to promote efficient DR and an incentive can help 

achieve that goal.  Third, an incentive can be tailored so as to encourage and reward the most 

efficient deployment of DR. 

In order to ensure the incentive is powerful in all circumstances, the recovery of the invested 

capital, an incentive return on the unamortized invested capital and the recovery of the operating 

expenses of the DR program would be achieved through a rate rider that would be periodically 

and automatically reset to provide for recovery of DR investment and expenses on an as incurred 

basis.  Hence, without regard as to whether the utility was over or under earning, it would receive 

incremental revenue and profit from the DR investment in order to ensure that the incentive is 

not diluted by the base financial situation.  In order to encourage efficiency in DR investment, 

the incentive portion of the return would be set based on the expected benefit to cost ratio of the 

investment.  The higher the benefit to cost ratio, the greater the efficiency and hence the greater 

the incentive return. 
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The basic steps in such a model, which are illustrated in Diagram x, can be described in text as 

follows:  

1. The costs of implementing a DR program (including research and marketing costs 

would be tracked); 

2. Specific investments and overall program costs would be analyzed and prospective 

benefit to cost ratios estimated using procedures agreed to with regulators; 

3. Utilities would implement the DR and would maintain an account that capitalized all 

program development costs and capital investments; 

4. Periodically (e.g., monthly or quarterly), a rate surcharge would be calculated and 

implemented to provide for recovery of costs; 

5. The revenue requirement would include all expenses, amortized capital investment 

and an incentivized return on unamortized capital investment; 

6. The surcharge would apply without regard to the earnings situation and the return 

element of the surcharge would be excluded from earnings tests, ROE sharing or rate 

case revenue determination; and, 

7. The incentive rate of return would consist of the base rate of return plus adders based 

on the prospective benefit to cost ratios2 of selected investments.  The higher the 

ratio, the greater the incentive component.  This would direct resources to the most 

efficient distributed resources; these are resources with the greatest benefit to cost 

ratios.  For example, investments with benefit to cost ratios up to 1.5 may receive a 

100 basis points incentive.  Those with ratios between 1.5 and 2.0 may receive a 150 

basis point incentive.  Investments with benefit to cost ratios over 2.0 may receive a 

 
2 The determination of benefit to cost ratios is outside of the scope of this paper.  It is important that these are 

developed reasonably and that benefit estimation is realistic if the DR that results is to be efficient.  Benefits 
should consider all savings from the market as well as possible savings from transmission and distribution 
investment deferral. 
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200 basis point incentive.  The sliding scale would serve the added purpose of 

encouraging the most efficient investment.  DR with a benefit to cost ratio of less than 

one would not be efficient and would not be implemented.  (Please note the incentive 

levels herein are illustrative and used only to clearly illustrate the concept.  In practice 

appropriate levels will need to be determined and a more continuous function may be 

superior to block levels.) 

The key elements of the model are an assurance of full and timely cost recovery to offset 

technical risk, provision of an incentivized return on unamortized investment to spur pursuit of 

the most efficient distributed resources and isolation of the return component from other earnings 

adequacy tests in order to ensure that profits realized from efficient DR development are fully 

incremental. 

This model is generally suited to investments that are made directly by utilities in DR.  However, 

these investments need not be restricted to DR that is owned by utilities.  Investments in 

programs and systems to facilitate DR by customers and/or competitive suppliers would also 

qualify for this treatment and, if desired as a matter of policy promotion, third party DR could be 

specifically considered in setting the incentive return level. 

2. Aggregation and Market Interface Benefit Sharing 

All distributed resources will not require significant investment.  In some cases, customers or 

equipment and service providers may be able and willing to install the equipment and devices 

needed to implement distributed resources, but may lack the ability to aggregate the utilization of 

these resources and employ them most efficiently in the market context.  These resources are in 

many cases too small to justify or to qualify for individualized RTO participation. 

In these situations, the utility could be well positioned to serve in an aggregation role and 

coordinate the operation of the distributed resources and the bidding of these resources in the 

market.  Further, in situations where there penalties for non performance, aggregation and 

diversity of resources may help avoid such penalties.  In these situations incentives could be 

developed related to the value that the utility as an aggregator is able to realize in the market.   
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The incentive model, which is presented in Diagram y, can be described in text as follows: 

1. The utility would assume responsibility for aggregating distributed resources and 

bidding these resources in to the energy, capacity and ancillary service markets; 

2. Part of these activities may involve helping distributed resource providers certify that 

they are able to meet RTO program requirements and could involve partnering with 

customers and service providers; 

3. The utility would be permitted to recover the base costs of its aggregation activities 

through a charge made for aggregation activities; 

4. As an incentive to provide the service, the utility would be permitted to retain a 

percentage of revenues realized from bidding the resources in to the energy, capacity 

or ancillary service markets; and, 

5. The incentive portion of revenue obtained from sharing in the market benefits of 

bidding would be excluded from consideration in earnings determinations in rate 

cases or earnings sharing contexts. 

This model would provide utilities an incentive to offer aggregation and bid coordination 

services.  There may well be instances where utilities are best positioned to provide these 

services, but have no clear way to recoup costs or make a profit.  Absent the opportunity to make 

a profit, utilities will have no incentive to provide these services and development of efficient 

DR will be less than it could be.  As these services will not likely require significant capital 

investment, the incentive rate of return is not likely to be a useful model. These services may be 

provided directly to customers or to distributed resource providers, stimulating the competitive 

market for these services. 

3. Rate Basing with Incentive Rates of Return Combined with Long 
Term Delivery Service Rate Indexing 

The rate basing and incentive rate of return model may or not be implemented in a way that 

captures the potential transmission and distribution savings that could arise from distributed 
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resource deployment.  To the extent that T&D3 savings are incorporated as benefits in the benefit 

to cost test, they would enhance the benefits, increase the benefit to cost ratio and increase the 

incentive.  However, specifically identifying T&D benefits is difficult and it may not be possible 

to specifically identify all such savings.  This does not however mean that distributed resources 

cannot provide significant T&D savings.  It does mean that in some circumstances such savings 

may be hard to identify and track to particular distributed resource projects. 

Efficiency in DR is best achieved when T&D savings can be recognized as a benefit and factored 

in the investment decision.  One model for this, in situations where benefits can not be easily 

identified or associated with single projects, would be to combine the rate basing and incentive 

rate of return model with long term performance based or price cap type of regulation.  Under 

this system, delivery service prices would be indexed to inflation and productivity.  Additionally, 

within a dead band of minimum and maximum earned returns, prices would be based on the 

index price.  Finally, earnings as opposed to price would float.  There are many variations of this 

type of regulation in then United States and internationally in both the electric and 

telecommunications industries.  If earnings went under the allowed level, or if uncontrollable 

costs increased, rates would recalibrate upward. (Such plans often contain “off-ramps” that 

provide for re-openers in the event of changes in exogenous factors.) If earnings exceeded the 

upper end of the dead band, earnings sharing would be activated and prices reduced by a share of 

any earnings over the upper range of the dead band.  The indexing and earnings sharing plan can 

extend over multiple years.  The wider the dead band and the longer the period that the plan 

extends over, the greater the incentives for implementation of cost reduction will be.  Such 

regulation fits well in to providing a DR incentive.  The indexed rates under such a plan could 

provide for recovery of delivery service costs and the incremental recovery of DR expenditures 

is achieved through rate basing and recovery of DR investments and expenses through a rate 

surcharge.  The dead band and earnings sharing on delivery rates would provide an incentive for 

the utility to deploy DR to minimize the need for distribution investment and make it more likely 

that it could achieve returns at the top end of the dead band or in to the sharing range.  If the rate 

plan persisted over many years, the incentives to promote and implement DR that avoid 

 
3 This section refers to T&D benefits.  However, in practice it may be more applicable to distribution benefits.  

Transmission is under FERC jurisdiction and not under state jurisdiction.  In regions that have unbundled, 
working transmission benefits in to the incentive model may be difficult. 
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distribution system expansion and optimize the efficiency of distribution investment and DR 

would be very strong. This is the case because under these types of rate plans, revenues are 

independent of an individual’s utility cost for the term of the plan.  Savings on distribution costs 

and investments would not lower rates during the rate plan period, but would inure to the benefit 

of customers after that period.  Hence an incentive is provided to implement DR that will be 

most effective in reducing distribution costs.  While this incentive can be combined with rate 

basing of DR investment, it could also provide the utility a strong incentive to promote DR by 

third parties as the savings in distribution costs would still accrue to the utility over the rate plan 

period and to customers over the long term. 

Diagram z depicts this incentive model graphically.  In text it can be described as follows: 

1. Model 1, the rate basing model. with an incentive return is implemented for DR cost 

and investment recovery; 

2. The benefit to costs ratios in model 1 exclude distribution savings; and,  

3. A comprehensive delivery service indexed rate plan is adopted that has the following 
features: 

a) A duration of at least 5 years and preferably 10 years 

b) Delivery services rates indexed to inflation with a productivity offset4 

c) Appropriate off ramps  

d) An earnings dead band with ROE sharing if earnings exceed the top of the 

dead band and rate recalibration if earnings fall below the bottom end 

DR savings related to distribution savings are not specifically identified, but as they reduce 

distribution investments and costs, they result in savings that can be shared between customers 

and shareholders.  This model would be effective in encouraging the deployment of DR to 

 
4 Determination of inflation indexes and productivity indexes is outside the scope of this document.  These indexes 

would determine the growth rate of delivery service rates and would therefore be non-trivial.  Determinations of 
such indexes may be the subject of much debate and negotiation. 
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optimize distribution and could work equally well in encouraging efficient DR that utilities own 

as well DR that utilities promote in conjunction with competitive suppliers. 

4.  Fixed Incentives for Achieved DR 

Complex regulatory models are not well accepted in all jurisdictions.  In jurisdictions where such 

models would not be embraced, a simpler incentive mechanism would be to provide the utility 

with a fixed monetary incentive per kW of achieved DR.  While the model would not be 

particularly strong at identifying and promoting efficient DR, it would jump start DR by 

promoting utility involvement. 

The incentive model, which is presented in Diagram zz, can be described in text as follows: 

1. An agreed incentive for DR which the utility facilitates would be developed; 

2. DR investment and expenses would be recovered through either normal ratemaking 

or a tracking account and rate surcharge; 

3. An incentive amount per KW of achieved DR deployment would be agreed to; 

4. The utility would realize, through a rate adjustment or surcharge, an amount equal to 

the achieved DR kWs times the agreed upon incentive; and, 

5. The incentive amounts would be incremental to base earnings. 

This model is a basic model that would most likely apply in situations where there was a desire 

to jump start DR and a desire to maintain simplicity in the regulatory framework.  The model is 

the weakest at encouraging efficient DR as it does not base the incentive on the degree of 

efficiency.  DR that is not cost justified would not qualify for any incentive. 

5. Combinations of Incentives 

Model 3 above combines the rate base with an incentive return model with a long term price 

indexing model for delivery service costs.  This is not the only combination possible.  Model 2, 

involving incentives for aggregation and bid coordination based on RTO markets could also be 

combined with Model 1 and Model 3. Under those combinations, the incentive component of the 
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return would be reduced so that only recovery of investment, the base rate of return and expenses 

would be reflected in the rate surcharge to recover DR costs.  The incentive component would be 

provided by sharing in the savings of revenues earned in RTO markets.  If combined with Model 

3, this would result in a situation where the costs of DR activity are recovered through a 

surcharge, distribution benefits flow through to the bottom line through a long term delivery 

service rate indexing plan and generation benefits are shared between the DR providers and the 

utility as an aggregator and/or bid coordinator. This combination would provide very efficient 

and comprehensive incentives for utility involvement in DR deployment, including DR initiated 

and owned by customers and competitive suppliers. 

While Model 1, the incentive return model, applies to utilities that have unbundled and operate in 

RTO market settings as well as to utilities that have not unbundled and do not operate in RTO 

markets,5 Models 2 and 3 primarily apply to unbundled utilities.  Model 2 provides for a utility 

role in aggregation and bidding that would apply in market settings.  Model 3 applies to 

unbundled distribution rates.  While Model 3 could be extended to encompass indexed 

ratemaking for bundled rates that include generation, the risks of indexing long term bundled 

rates is quite high and the model would most likely not be practically applied to bundled rates.   

6. Sharing of DR Economic Cost Savings 

In jurisdictions that intend to retain a bundled generation, transmission and distribution service, a 

different incentive model to supplement Model 1 is desirable.  In these cases, generation savings 

would be reflected through utility cost savings and not a market. 

The foundation of such a model would be to develop estimates of the net economic benefits of 

DR deployment.  Net economic benefits are defined as the savings achieved from DR – in effect 

the avoided costs made possible by DR – less the costs6 of DR implementation and operation.  

The benefits in the case of a bundled utility would span generation, transmission and distribution.   

The incentive model, which is presented in Diagram zz, can be described in text as follows: 

 
5 This is not a complete distinction.  There are also utilities that have not unbundled and do not operate retail choice 

environments that are in RTO settings.  Many MISO utilities are in this category.  For purposes of this paper the 
primary distinction is whether the utility offers only bundled service or is unbundled and offers retail choice. 
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1. Provide for basic DR cost recovery through rate basing and a tracking account to 

assure recovery of all DR costs.  This would be similar to Model 1, but without the 

incentive component on the rate of return. The incentive would come from sharing in 

the net economic benefits as described below; 

2. Periodically review the present value of DR total costs as compared to the present 

value of DR savings; 

3. Compute the net present value of DR economic benefits; and 

4. Provide for recovery of a percentage of these benefits so that such recovery is 

incremental to base earnings and provides a financial incentive. 

This model would work to encourage DR deployment by bundled utilities that most efficiently 

integrated DR with generation, transmission and distribution investment and operation.   

7. Summary   

The models described above are designed to prompt a discussion about DR.  They are also 

intended to be a practical guide to financial incentives that draw upon established regulatory 

procedures and could be implemented.  As noted, the models can be combined.  Further, the 

models can be further refined.  When implemented, there are many details that would need to be 

specified and could be tailored to various situations. As discussed at the beginning of this 

section, the principles upon which the models are founded are to provide incentives that promote 

efficient DR, provide models that facilitate DR in the context of a market and an environment 

where competitive suppliers of DR services can flourish, and provide utilities with financial 

incentives that compensate for DR risk and spur the development of efficient distributed 

resources. 

 

 

 

                                                                                                                                                             
6 Costs must also consider lost revenues as appropriate. 
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MADRI Business Case Sub-Group: Bridging the 
Gap between Wholesale and Retail Markets 
Frank Magnotti, Comverge, Inc. 
 
Background 
 
         
        The Mid-Atlantic Distributed Resource Initiative (MADRI) is a project sponsored by the Department 
of Energy (DOE) to recommend processes and procedures that will help define and promote distributed 
resources (including demand response programs) in the Mid-Atlantic region. Groups made up of regulators, 
utilities, the Independent System Operator (PJM), industry consultants, and vendors have been meeting 
regularly over the past several months and continue to meet on a regular basis. The process is facilitated by 
the Regulatory Assistance Project (RAP), ACN Energy Ventures and other industry experts. Committees 
have formed to address various specialties such as regulation, interconnection, and business case issues. 
    Demand response programs yield considerable benefits throughout the value chain: at the wholesale and 
retail levels, for generation, transmission and distribution, and by keeping prices down for all end-use 
customers. It also may have positive environmental benefits (through reduced emissions and fuel use) that 
are typically, however, not given credit in demand response program analysis. In vertically integrated 
markets, demand response has proven to be an economical tool with positive impacts on rates in many 
cases throughout the country. However, in a market such as the mid-Atlantic, the value chain is fractured 
and there has been little or no new private investment in demand response infrastructures. PJM has made 
tremendous progress in recognizing the positive impacts of demand response but the wholesale markets by 
themselves can not economically support the investment required for a significant demand response 
program. In recognition of this fact, the business case subgroup authored various two-page abstracts. These 
abstracts covered business case enhancement options in addition to the markets that are established or will 
be established by PJM.  One of the abstracts described the enhancement when the end-use customer pays 
for some services. It was decided that this abstract deserved further attention and when associated  with the 
critical peak pricing tariff work that was being done in the regulatory sub group a broader topic of Bridging 
the Gap between Wholesale and Retail Markets was established. 
 
    
 
 
Rationale 
 
   Certain reliability- dispatched demand response has little or no direct economic benefit to end customers 
except the cash payments they receive to curtail. However, a Price Responsive program would offer the 
same system reliability benefits to energy providers while affording their end-use customers the 
opportunity to reduce their energy bills by providing incentives that change behavior.  For example, real-
time pricing signals provide end-use customers with the market information and motivation to change their 
energy use patterns; to use more energy during lower price periods and to curtail energy usage during 
higher price periods. If an end-use customer is provided the equipment to automate the process by a utility 
or a third party it would be logical for that customer, who is receiving direct and measurable benefit, to 
partially pay for the system.  
    An example of such a system is the GoodCents™ demand response program sponsored by Gulf Power 
Company.  Gulf Power, an operating division of the Southern Company, serves approximately 350,000 
retail customers in the panhandle of Florida. Each enrolling participant is provided a new price responsive 
thermostat and other devices that control, where applicable, pool pumps and electric hot water heaters.  
Participants   typically save 15% or more on their electric bills.   And, in contrast to reliability-dispatched 
programs where the program provider pay end-use customers for their participation, enrollees in the 
GoodCents™ program pay Gulf Power $5 per month to participate in a program.  According to Gulf 
Power, participant payments fund approximately one half of the cost of the program. Participants have not 
considered this monthly fee a barrier to entry.  In fact they regard the benefits they receive as being well 
worth the monthly fee.   The GoodCents™ Program enjoys one of the highest customer-satisfaction ratings 
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of any program sponsored by the Southern Company. The Gulf program clearly demonstrates that end-use 
customers will respond in a predictable manner if provided incentives and market signals that reward 
behavior. 
 
Implementation Models 
 

• Critical peak Pricing  vs. Market based pricing 
• Mandatory vs. voluntary program 
• If voluntary  opt-in  vs. opt- out 
• Customer pays monthly fee vs.  utility pays customer incentive 
• Utility rate base vs. pass through vs. rate base + incentive 
• Third party operation of system vs. utility operation 

 
Recommendations 
 
End-use customers will pay for those services and equipment that are economically attractive. Rate 
structures that create win-win scenarios (utilities or infrastructure providers and the end-use customers) 
should be encouraged. 
 
Work Plan 
 

  
1. November 2005 to January 2006 - Document the preferred implementation models emerging from 

discussions on 10/20 in a white paper. Conduct one or more conference calls with members of the 
Subgroup – modifying the white paper, as needed - to build consensus on the white paper.   

 
2. February 2006 – Present detailed proposal to MADRI. Revise as necessary.  

 
3. March 2006 – Deliver final MADRI recommendations regarding utility business models. 

 
4. March 2006 - Conduct a workshop at the NARUC Winter meeting (3/06) to showcase business 

model / policy recommendations, and other products of the MADRI process.   
 

5. April 2006 to May 2006 - To the extent MADRI prepares materials for PJM states to help address 
the new DR-related PURPA standards (Time-Based Metering and Communications, Net 
Metering, DG Interconnection), include MADRI recommendations re: utility business models.  

 
 

Issues for Discussion 
 

• The Gulf Power program has established critical peak pricing as a compromise between flat 
rates and market based real-time rates. PSE&G will be piloting both types of rates. Given the 
complexity of these rate designs should we start with the more proven critical peak pricing or 
should there be flexibility to allow market based rates for the mass market. 

• Economies of scale are achieved when programs are rolled out in full-scale. Should these 
programs be mandatory or voluntary. If they are voluntary an estimated 25% of customer may 
sign up and costs per unit may be double. Mandatory programs, however, are politically 
tougher to sell. 

• If the decision is to make these programs voluntary, then a choice of opt-in or opt-out sign-up 
is required. The tradeoff is once again a more robust and less costly program with an opt-out 
vs. the politically more acceptable opt-in approach. 

• If the program is voluntary should customers partially fund program costs through a recurring 
fee? 

• How do we incent utilities to deploy these systems?  
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• How do we encourage third party suppliers to invest in these systems? How do we encourage 
third party suppliers to operate these systems and take market risk extending the tremendous 
progress that PJM has established? 
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Distribution System Regulation 

Introduction 

The MADRI Regulatory Subgroup has been tasked with addressing issues related to 
distributed resource-related regulation of distribution utilities.  This document addresses 
potential reporting and cost valuation methodologies regulators can use to help quantify 
the value of distributed resources in terms of avoided or deferred distribution level costs.  
These values can be used to the amount of payments or credits for distributed resources 
that deliver these values to the distribution system. 

Section 1 – Description of the reporting and process requirements for revealing the 
values of distributed resources in the distribution system. 

Magnitude of Distribution Investments 

Collectively, utilities in the US typically invest over $5 billion per year in their 
distribution systems.  Unlike investments in generating and transmission facilities, which 
can be somewhat erratic (or lumpy) in both timing and magnitude, investment in the 
distribution system is typically an on-going process in which the annual investments are 
relatively more consistent and predictable.  Year to year investment levels may be 
variable, but when averaged over three to five years, investments by individual utilities 
are likely to appear relatively constant.   

Nominal vs. Effective Cost of Distribution Investments 

While overall investment levels may appear relatively constant, the effective costs of 
distribution investments, on a per-MW or per-MWh basis, are not homogenous.  They are 
highly dependent on granular conditions within the distribution system.  Important factors 
that impact the effective cost of distribution investments include geographic topography 
(i.e. whether the location is urban or rural, mountainous or plains, etc.), technical 
topography (i.e. whether the facilities are underground or overhead, outside or inside a 
building, radial or networked, etc.), and end-use topography (i.e. customer density, 
consumption and growth patterns of end-use, and types of end-use loads such as the 
presence of motors or other equipment that may affect local power quality or present 
other special needs).  The highest effective costs are seen in locations where load growth 
is relatively slow and the costs of solutions are high (because of any combination of 
geographic, technical or end-use topography).   

For example, when confronted with a substation that is nearing its capacity, the utility 
might install a new 40 MW transformer at a “nominal” cost of, say, $30/kW, for a total 
investment of $1.2 million.  If installation of this transformer coincided with 40 MW of 
new load, then one could say that the $30/kW cost was the same as its effective cost.  
Using reasonable simplifying assumptions (a 65% load factor, a thirty year life and a 
weighted after tax cost of capital of 8% for this new load and ignoring distribution plant 
O&M), we can see this results in an effective cost/kWh of approximately $0.00084/kWh 
in the first year.   
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On the other hand, if the load does not match the capacity of the upgrade but is some 
smaller amount, say 5 MW per year, the effective cost jumps to $0.00674/kWh – 8 times 
higher than the nominal cost of the transformer.  If load growth is only 0.5 MW per year, 
the cost would be $0.6744/kWh, or 80 times higher than the nominal cost of the 
transformer.  In other words, rather than $30/kW, the transformer can have an effective 
cost of between $240 and $2400/kW, an amount which is, alone, sufficient to justify the 
installation of many forms of demand-side resources. 

Of course, the same analysis applies to the differential between the required capacity and 
the rated capacity of a distributed resource alternative.  However, distributed resources 
often do not come in the larger “lumps” that distribution hardware does.  This will 
depend heavily on the assortment of options considered and how they might be combined 
to deploy an optimal alternative to distribution system upgrades. 

But even the nominal cost of distribution system investments can vary widely on a rated 
capacity cost per kW.  While our example uses a nominal cost of $30/kW for the 
distribution system “solution,” real-life nominal costs can be much higher – often running 
as high as $60/kW and sometimes as high as $300/kW.1  In these situations the effective 
costs of these solutions can be has high as $480 to $48,000 per kW (using the same 
assumptions from our previous example)!  Even exotic alternatives to traditional 
distribution solutions, such as solar and energy storage, can be deployed at these effective 
costs and these high cost projects can be as much as a third of the projects facing a 
distribution utility. 

Potential Deferral Values for MADRI Utilities 

Although we lack specific data for individual distribution system projects for each utility 
in the MADRI footprint, we are not without useful company-specific aggregate data that 
can suggest the potential values for deferring distribution investments.  Specifically, the 
annual distribution system investments and system load growth for most utilities filing a 
FERC Form 1 during the period 1994-1999 has already been compiled for this very 
purpose.2

                                                 
1   For example, in data set of distribution projects for Commonwealth Edison for the year 2000, out of a 
total of 65 projects, 22 had a nominal cost of $60/kW or more, 10 projects cost more than $100/kW and the 
highest cost project came in at $300/kW. 

2 See Distribution System Cost Methodologies for Distributed Generation, The Regulatory Assistance 
Project, September 2001 available at:  
http://www.raponline.org/showpdf.asp?PDF_URL=%22Pubs/DRSeries/DistCost.PDF%22 and the 
accompanying Appendices available at: 
(http://www.raponline.org/showpdf.asp?PDF_URL=%22Pubs/DRSeries/DCAppndx.pdf%22) and the 
associated Distribution System Cost Deferral Lookup Table, available at: 
http://www.raponline.org/Pubs/DRSeries/CostTabl.zip. 

http://www.raponline.org/showpdf.asp?PDF_URL=%22Pubs/DRSeries/DistCost.PDF%22
http://www.raponline.org/showpdf.asp?PDF_URL=%22Pubs/DRSeries/DCAppndx.pdf%22
http://www.raponline.org/Pubs/DRSeries/CostTabl.zip
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Figure 1 shows the potential deferral values of distributed resources for a number of 
utilities within the MADRI footprint.  These data are based on the actual average 
marginal distribution costs per MW of average growth in system peak for the five year-
to-year periods from 1994 to 1999.  The values reflect an assumed “high cost” case that is 
1.94 times the average cost per MW experience by each utility.3

Figure 1 

Potential Distribution Deferral Values
(1995-1999 FERC Form 1 Data)
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Figure 1 answers the question, “How much money (expressed in $/kW) should a utility 
being willing to pay (equivalent to an up front cash payment) to defer or avoid its 
distribution system investments?”  The answer is the sum of the present value revenue 
requirement for the distribution system investment for each year that it might be deferred. 

Figure 2 reflects data for Potomac Edison which would appear to be a special case 
because the experienced cost levels are more than six times higher than even the highest 
of the rest of the utilities.  One should not conclude that these values would be typical or 
expected for Potomac Edison going forward – indeed, one would expect some 
extraordinary project, accounting entry or other special circumstance to have generated 
such large values.  Variations from the “norm” such as this only reinforce the notion that 
actual forward-looking data for this company (as for all of the companies) should be 
analyzed and understood before reaching any conclusions. 
                                                 
3 A range of variability was developed based on the Commonwealth Edison data to derive low and high 
cases for each utility, based on one standard deviation from the average. The resulting percentage ranges 
were then applied to other utilities to compute a potential high and low case based on each utility’s average 
for the study period. 
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Figure 2 

Potential Distribution Deferral Values
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While individual analyses of each of these utilities’ systems is required to identify actual 
deferral values on individual projects or specific locations on the distribution system, the 
magnitude of these potential values suggests that many forms of distributed resources, 
including load control and distributed generation, might be economically justified 
without relying on their use for economic dispatch purposes (i.e. without relying on 
energy and capacity values relative to wholesale power supply costs).  This is especially 
true where these resources can defer investments for 5-10 years or longer. 

Finally while some of these companies have higher cost curves (Pennsylvania Electric, 
PP&L, BG&E, Potomac Electric Power and PSE&G) and others have lower cost curves 
(West Penn Power, JCP&L, Atlantic City Electric & Gas, Pennsylvania Power and 
Delmarva), this does not lead to the conclusion that the companies with lower overall 
costs would not have high value potentials.  Because of the large variability in the 
effective cost of specific distribution system problems and solutions, even low cost 
utilities can have zones of high cost problems and solutions.  Again, access to good data 
about the distribution system is the key to understanding these potential values. 

Recognizing Locational Values on the Distribution System 

Deploying distributed resources in such high cost areas would be a win-win situation for 
consumers and distribution utilities. The challenge is to develop policies to concentrate 
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the use of distributed resources in high-cost areas. De-averaged distribution credits and 
distributed resource development zones meet this challenge.4  

On the one hand, distributed resources seem ideally suited to be delivered in a 
competitive fashion. They represent the antithesis of economies of scale. Distributed 
resources may be the ultimate form of retail competition because they can be used by 
consumers with or without industry restructuring.  

On the other hand, if distribution prices are geographically uniform, monopoly 
distribution utilities will have an unbeatable competitive advantage and distribution 
utilities will be the only entities positioned to “see” the distribution value of distributed 
resource deployment. States that wish to encourage competitive delivery of distributed 
resources are compelled to either 1) de-average distribution prices on a geographic basis - 
unlikely for a long list of reasons, 2) prohibit distribution utilities from owning 
distributed resources - also unlikely, plus it levels the field at the cost of eliminating all 
suppliers, or 3) adopt geographically de-averaged distribution credits - a low-cost, low-
risk strategy that might yield large benefits.   

Under a program of geographically de-averaged distribution credits, the utility would 
establish financial credits for distributed resources installed in a given area. The amount 
of the credit would be a function of the distribution cost savings that would be generated 
through deployment of the distributed resources. Credits would be limited in duration and 
magnitude, in order to match the timing and need for distribution system reinforcements. 
For example, credits might be available to the first 20 MW of distributed resources 
installed in the next year, because, after that period, loads are expected to grow to make 
construction of new distribution lines unavoidable.  

The amount of the credits should reflect the value (savings) derived from deferring or 
avoiding the distribution upgrade. Credits would also vary by location of the distributed 
resources. Credits would be highest in areas of greatest need and would be zero in low-
cost areas. For example, customers in an area with 20¢ distribution costs might be offered 
a 15¢ credit. This would certainly produce a strong economic incentive for customers and 
others to invest in distributed resources. Because the credit is 15¢ instead of the 20¢ the 
utility would incur to upgrade facilities, there is an opportunity for savings to be shared.  

The term “de-averaged credits” is being used as shorthand for a family of related policy 
options that provide cost-effective economic incentives to concentrate distributed 
resources in high cost areas. Distributed resource development zones, for example, would 
designate geographic areas and set a standard credit for all qualifying distributed 

                                                 
4 In theory, regulators could simply geographically de-average distribution prices, requiring the utility to 
charge something approaching zero in areas that have excess distribution capacity, and the deferral value in 
areas with constrained distribution facilities. De-averaged marginal cost prices would send the “right” price 
signals to consumers and would ensure that distributed resources would be installed precisely when and 
where they make the most sense. De-averaging prices along these lines, however, is unlikely and 
undesirable for compelling practical and political reasons. 
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resources that locate in the area. One could use a Distribution Value Bidding scheme to 
invite competitive proposals from distributed resource vendors. The amount of the credit 
requested in the bids would be one of the criteria used to select winning distributed 
resources.  

 

Implementing Distributed Resource Credits 

Step one: Identify high cost areas.  

The first step is to examine capital investment plans and identify parts of the distribution 
system that could most likely benefit from the deployment of distributed resources. The 
earlier the areas can be identified the better. It is best to look for areas that will require 
investment in the next 24 to 36 months rather than areas that need investment in the next 
30 to 90 days.  This allows enough lead time to seek distributed resource alternatives. 

Step two: Address design issues.  

Designing a de-averaged credit, market-based program requires consideration of a 
number of important practical questions. For most issues there is not a single right or 
wrong answer. The best way to proceed is to ask the distribution utility and the interested 
distributed resource vendors and users to collaborate on program design. The top six 
issue areas that need to be considered are described below.  

Type of distributed resources that can qualify 

Not all distributed resources are created equal. The utility and regulators need to decide 
which distributed resources can participate in a credit program. For example, the most 
common distributed resource today is an internal combustion (gasoline or diesel) engine 
connected to a generator. Environmentally, many of these types of units are very bad, 
yet because of their small size and historically very limited hours of operation they 
currently require no environmental permits.  

It would be short-sighted to design and implement a distributed resource credit program 
if the result was to substantially increase the use of these types of distributed resources. It 
would not only be bad for the environment, but it would probably hasten new 
environmental regulations that could undermine the value of the units to the utility and to 
the customer. A more prudent course would be to designate a class of qualifying 
distributed resources that would be eligible for the program and exclude distributed 
resources that may cause environmental or other problems. Another option is to provide 
for graduated payments with higher payments to clean resources on the basis that these 
resources are more likely to result in the desired cost savings.  

Qualifying resources should also include demand- and supply-side options. Some 
demand-side options, mostly load management options, will be easy to incorporate. 
Indeed, many utilities already have credit approaches that offer customers a payment or 
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reduced electricity price if they agree to have part of their load under direct control. 
These programs, however, have generally been designed with an eye toward reducing 
system peak energy and capacity costs rather than avoiding or deferring upgrades to the 
distribution plant. Changing the focus to distribution cost savings means that the loads 
may have to be curtailed during the distribution peak instead of the system peak.  

Operating and performance standards  

Distributed resources can save money if they either generate power or reduce demand 
during the high cost periods. Thus, the terms of a de-averaged credit program should 
specify that the credit is tied to the distributed resource’s ability to deliver its value 
during the hours that the substation or feeder is at or near peak load.  

Several approaches can be taken depending on the size and nature of the distributed 
resource. For the smallest units that are not directly under the user’s control, such as PV, 
wind, CHP units, or units that are designed to run whenever available, this requirement 
should be determined in an aggregate, probabilistic manner. Some combination of load 
studies, manufacturer’s availability data, and warranty information can be used to 
estimate the likely contribution during peak periods. If, for example, only 60% of the 
installed generation is likely to be on-line during the peak periods, the credits paid to this 
class of facilities would be discounted. Special metering and individually determined 
credits could be options but they should not be required.  

For small units that are directly under the user’s control such as back-up generators, it 
may be necessary to require some type of metering to show that the unit operated. For 
larger units installed on the premises of customers who are likely to have more 
sophisticated metering, credits could be paid on a metered time-of-use basis. This would 
result in higher credits paid to the distributed resources that are operating more when 
needed.  

Also, many distributed resources are capable of being in direct two way communication 
with the utility. Microturbines, fuel cells, and radio-controlled loads can all be placed 
under direct utility control or at least can be monitored by the utility in real-time. This 
provides the best opportunity to manage the distributed resources to reduce distribution 
costs, and distributed resources with this type of capability should receive the highest 
possible credit.  

Installation time, milestones and amount of response 

Distributed resources can save money by avoiding or deferring distribution upgrades if 
enough distributed resources are in place in time to avoid conventional upgrades. 
Conventional distribution system upgrades are planned and installed in a fairly short 
time period; one to three years is common.  

This has several implications for a de-averaged credit program. First, it means the utility 
should have a well developed distributed resource credit program prepared, approved by 
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regulators, and ready to deploy in a given area as soon as it appears an upgrade will be 
needed.  

Second, deploying distributed resources will take some time. How the market reacts to a 
credit program will only be known with certainty after the programs have been in use for 
some time. The most likely scenario is that distributed resource vendors, rather than retail 
customers, will be the main users of the credit program. Once the availability and size of 
credits are known, vendors will begin the job of marketing their goods and services to 
end users. The credit will allow a distributed resource vendor to discount equipment and 
reach agreements quickly with end use consumers.  

Third, there may be some minimum amount of distributed resources that must be made 
available before distribution savings can be realized. It seems reasonable that a de-
averaged credit program would state the minimum amount of distributed resources that 
must apply and qualify for the credits before any credits are paid. To protect against the 
situation of sufficient distributed resources signing up for the credits but then not 
materializing, a reasonable set of milestones could also be established. If a project fails, 
another should be allowed to step into its place.  

To avoid paying for more distributed resources than are needed, the program could also 
state the maximum amount of distributed resources that will receive the credits.  

Duration of distributed resources performance 

In some cases, the value of distributed resources will be the ability to postpone 
distribution upgrades for a few years. In this situation, the persistence of the distributed 
resources should not be much of an issue. In other cases, the value may be in a more 
permanent substitution for distribution investment. This results in the long term reliability 
of the distributed resources being more important.  

There are at least two approaches to matching the performance of the distributed 
resources to the needs of the distribution system: contractual requirements and payment 
terms. Contract, including standard contracts for small units, could specify performance 
requirements including long-term availability. Failure to meet the requirements could 
result in reduced or lowered payments or, if needed, fines and penalties.  

For larger units with time-of-use metering, long-term availability can probably best be 
addressed through credit payments. Credits are paid on the basis of measured 
performance relative to the needs of the distribution system. For example, if the 
distribution system experiences its peak loads on weekday afternoons during the 
summer, payments could be made based on the measured performance of individual 
distributed resources during these designated periods. If the credits were based on three 
years worth of deferrals, the performance-based payments should be spread out over the 
entire three year period. If the credit payments have been in the form of large up front 
payments, the contract may provide for repayment of excess payments if the distributed 
resource ceases operation.  
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 Standard Contract  

To reduce transaction costs, it makes sense to have a simple, standard contract setting 
forth the duties and responsibilities of all parties. Having a standard contract also 
provides an opportunity for regulatory oversight and input from vendors and users into 
important contract terms.  

Experience with small scale wind and interconnected PV facilities and net metered 
facilities provides substantial experience on reasonable and unreasonable contracts. 
Contract terms covering metering and insurance can be made too onerous to be 
successful.  

Bidding or standard payments.  

Credits could be paid on the basis of fixed preset credits, such as $/kW/year, for 
qualifying distributed resources. The fixed credits could be the same for all types of 
distributed resources, or they could differ for different classes of distributed resources. 
Higher credits for cleaner distributed resources or distributed resources using CHP would 
be one way to encourage these types of facilities.  

The level of the payments could range from very low up to the estimated value of the 
distributed resources. The credits could also be the same in all designated areas or they 
could differ based on the relative need for distributed resources and the potential 
distributed resource cost savings. Offering different levels of credits in different locations 
(which is probably justified by differing distribution cost savings) would help create a 
supply curve for distributed resources.  

Alternatively, payments could be made on the basis of competitive bids with the 
winning bids being the distributed resources requesting the lowest credits. This 
approach has the appeal of offering the most value to consumers, but it also may have 
the highest transaction and administrative costs.  

Step three: Develop a monitoring and evaluation plan 

To determine the performance of a distribution credit program, the regulator may wish to 
require measurement, verification and reporting by the utility.  This may include the 
following items: 

1. Distribution plant performance. 

How does the operation of the distributed resources affect substation and feeder 
loadings? How is distribution affected during high load periods? During low load 
periods? Are there any unanticipated affects on the distribution plant? Would direct 
control of the distributed resources by the utility add any value?  

2. Distributed resource performance. 



DRAFT 

How well do distributed resources perform individually and in the aggregate? How 
many distributed resources does it take before aggregate performance is reliably 
predictable? How do distributed resources perform over time? Does the method of 
payment affect performance? How do different technologies perform? How well has 
distributed resource operation matched the needs of the distribution equipment? What 
types of distributed resources are able to be dispatched by the utility?  

3. Distributed resource supply curve.  

What is the relationship between the quantity of distributed resources and the level of the 
credits? Can supply curves for distributed resources be constructed? Can they distinguish 
between distributed resource technologies?  

4. Distributed resource response time. 

How long does it take from the time the need for distributed resources is determined to 
the time distributed resources can be installed? How does the response time vary with 
the credit approach taken (bidding versus standard offer)? How does the response time 
differ for different types of distributed resources? How does the response time differ 
based on varying levels of credit?  

5. Service quality and outage performance. 

Have the distributed resources had a discernable effect on outages, frequency, restoration 
times, or power quality?  

6. Environmental performance. 

What are the emission characteristics of the distributed resources? Did the operation of 
the distributed resources raise environmental concerns for local residents or local 
environmental agencies? Was there any relationship between the level of the credit and 
the type of distributed resources deployed?  

7. Distributed resource vendor and user feedback. 

What problems did the pilot pose to distributed resource vendors and users? What 
suggestions were received to improve the program? Did the siting and operation of 
distributed resources cause local noise, pollution, or other complaints? Did the distributed 
resource provide any other benefit to the user such as power quality, back-up service, 
heating, cooling, or motor drive?  

8. Customer profiles. 

What types of customers installed distributed resources? What types of customers were 
able to use CHP distributed resources? What kind of customer allowed the utility to 
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dispatch the distributed resource?  

9. Tracking cost savings and credit payments. 

Have the estimated savings been achieved? At what cost to the utility? At what cost to the 
customer? 
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Section 3 – Model tariff for credits or payments to DR for distribution values 
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Section 4 – Example Case 
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Electric Utility Revenue Stability Adjustment Factor 

Section 1 – Background and Description  

The Regulatory Subgroup of MADRI has been requested by the Steering Committee to 
prepare a model framework for implementing a revenue stability mechanism, previously 
referred to as the Revenue Stability Adjustment Factor, designed to mitigate the 
dependent relationship between electric distribution energy sales and profits, otherwise 
known as the “throughput incentive.” 

A per-customer revenue stability mechanism is widely regarded as the best approach to 
meet this objective.  This approach has already been implemented for distribution rates 
by Baltimore Gas & Electric and Washington Gas in Maryland.  The Regulatory 
Workgroup has used these existing mechanisms from Maryland to craft a model 
framework for electric utilities. 

The Revenue Stability Adjustment Factor is designed to keep electric utility per-customer 
revenue collections at a relatively stable level.  This type of mechanism works in the 
same way as the fuel and purchased power cost adjustment mechanisms that have been in 
general use within the US regulatory scheme for a number of years; it is designed to 
function as a rider to certain basic rate schedules and to stabilize revenues by periodically 
adjusting base rates to eliminate swings in revenue collections associated with changes in 
average consumption by customers.   

The Revenue Stability Adjustment Factor is not intended to introduce shortfalls or 
windfalls in revenues relative to what the utility would have experienced in the absence 
of the adjustment. Rather, it is intended to shield the utility from the adverse impacts of 
reduced consumption by consumers as a result of the deployment of demand-side 
resources such as distributed generation, load management and energy efficiency. In the 
absence of additional refinements in the computation of the revenues to be collected by 
the Revenue Stability Adjustment Factor, a significant difference between the 
incremental revenues associated with the addition or subtraction of customers and the 
average revenues for all customers could conceivably introduce such shortfalls or 
windfalls.  To prevent this, the revenues to be generated by the Revenue Stability 
Adjustment Factor should be modified to reflect this difference.  This is accomplished in 
this model rate rider through the use of a “K” factor which is used to refine the revenue 
shortage or excess to be collected by the Revenue Stability Adjustment Factor, as further 
described below. 

The full “cycle” for this mechanism involves the following steps: 

A. Test-year revenue requirements should be established for the customer, demand, and 
energy charge components for each rate schedule to which this rider applies.  This 
process can involve newly authorized revenue requirements set in a pending rate case, or 
it can rely on the most recent rate case information if no current rate case is underway.    

B. Determine a date on which the Revenue Stability Adjustment Clause is to be effective.  
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C.  There are three different “months” used in each Revenue Stability Adjustment Factor 
calculation: 

 The “Reference Month” refers to the months for which actual billing data is 
used in the calculations.  In the existing draft Model Rate Rider, the reference 
month is assumed to be the two calendar months prior to the Filing Month. 

 The “Filing Month” refers to the month in which an actual calculation or 
reconciliation report is filed with the commission.  The filing will use actual 
data from the Reference Month to compute the revenue adjustment factors.  
These factors will then be applied to bills in the billing month. 

 The billing month is a month subsequent to the filing month in which the 
revenue adjustment factors are applied to bills.  In the model rate rider, the 
billing month will follow the Filing Month by two calendar months. 

D. Prepare Section 3 Filing Form for each applicable rate schedule and make filing on or 
before the 10th day of the filing month. [Note: Section 3 Filing Form not yet drafted]. 

E. Each subsequent filing month would use three different types of data: 

 Test year data is used as the base for computing the target revenues for each 
tariff component, based on the per-customer average billing units for that 
component.  Test year data is assumed to be based on the test information for 
each calendar month in the test year, in order to capture expected monthly 
deviations in consumption.  This data may be weather normalized, but should 
match the underlying billing units used to compute the current tariff rates.  
Test year data is also used to compute a “K” factor for the kWh and kW (if 
applicable) distribution charges.  The K factor is computed by comparing use 
per customers associated with customer growth during the test year to average 
use per customer for all customers in a given class. 

 Reference Month data is used to reflect actual consumption in the form of 
billing units on bills actually sent to customers.  Reference Month billing units 
are multiplied by the average consumption in the Test Year data and by the 
number of customers in the Reference Month to derive “Target Revenues.”  
Reference month billing units are multiplied by tariff revenues to derive actual 
revenues for the reference month.  The difference between Target Revenues 
and actual revenues represents the revenue increase or decrease that must be 
generated by the adjustment factor. 

 Forecast Billing Month billing units are used in conjunction with the revenue 
shortfall or overage to compute an adjustment factor for the given tariff 
component (demand or energy).  
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Section 2 – Model Rate Rider for a Revenue Stability Adjustment Factor 

1. Applicability 

This Rider is applicable to the following rate schedules:  

[list applicable rate schedules]. 

2. Definitions 

2.1. Test Year Revenues means the expected revenues for the applicable rate 
schedule as calculated when the rate schedule rates were last set, excluding the 
adjustments made in this rate schedule. 

2.2. Revenue Stability Demand Charge Adjustment Factor means the additional 
demand charge or demand credit provided for in this rate schedule and to be 
applied to customers’ bills during the Billing Month. 

2.3. Expected Demand Charge Adjustment Factor Revenues means the amount 
of revenues for demand charges that had been expected to be collected during 
the Reference Month through the application of the Revenue Stability Demand 
Charge Adjustment Factor, based on the use of the estimated billing units used 
in the computation of the Revenue Stability Demand Charge Adjustment Factor 
for the Reference Month, 

2.4. Actual Demand Charge Adjustment Factor Revenues means the amount of 
revenues for demand charges actually collected during the Reference Month, 
based on the actual billings units used in computation of bills sent to customers 
during the Reference Month. 

2.5. Change in Demand Charge Revenues means the test year average use per 
customer (measured in kW demand) multiplied by the change in number of 
customers since the like-month during the test year and multiplied by the 
demand charge for the applicable rate schedule and multiplied by the Demand 
Charge K Factor. 

2.6. Revenue Stability Energy Charge Adjustment Factor means the additional 
energy charge or energy credit provided for in this rate schedule and to be 
applied to customers’ bills during the Billing Month. 

2.7. Expected Energy Charge Adjustment Factor Revenues means the amount of 
revenues for energy charges that had been expected to be collected during the 
Reference Month through the application of the Revenue Stability Energy 
Charge Adjustment Factor, based on the use of the estimated billing units used 
in the computation of the Revenue Stability Energy Adjustment Factor for the 
Reference Month, 
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2.8. Actual Energy Charge Adjustment Factor Revenues means the amount of 
revenues for energy charges actually collected during the Reference Month, 
based on the actual billings units used in computation of bills sent to customers 
during the Reference Month. 

2.9. Change in Energy Charge Revenues means the test year average use per 
customer (measured in kWh multiplied by the change in number of customers 
since the like-month during the test year and multiplied by the energy charge for 
the applicable rate schedule and multiplied by the Energy Charge K Factor. 

2.10. Filing Month means the month in which a Revenue Stability Adjustment 
Reconciliation filing is due. 

2.11. Reference Month means the month that is two months prior to the filing 
month. 

2.12. Reference Month Revenues means the actual revenues billed during the 
Reference Month. 

2.13. Billing Month means the month that is the second succeeding month after the 
Filing Month and is the month during which the Revenue Stability Adjustment 
is applied to customers’ bills. 

2.14. Estimated Customer Charge Billing Units means the billings units expected 
to be used for customer charges on customers’ bills during the Billing Month. 

2.15. Estimated Demand Billing Units means the billing units expected to be used 
for demand charges on customers’ bills during the Billing Month. 

2.16. Estimated Energy Billing Units means the billing units expected to be used for 
energy charges on the customers’ bills during the Billing Month. 

2.17. Average Energy Revenue means the Test Year Energy Billing Units divided 
by the number of Test Year Customers and is computed separately for each 
billing class of customers. 

2.18. Incremental Energy Revenues means the change in Test Year Energy Billing 
Units during the Test Year divided by the change in the number of Test Year 
Customers during the Test Year and is computed separately for each billing 
class of customers. 

2.19. Energy Charge K Factor (Ke) means the Average Energy Revenue divided by 
Incremental Energy Revenues and is computed separately for each billing class 
of customers.    

2.20. Average Demand Revenue means the Test Year Demand Billing Units divided 
by the number of Test Year Customers and is computed separately for each 
billing class of customers. 

Wayne
Restated Test Year Revenues definition was deleted because this term is not actually used in the rate rider.
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2.21. Incremental Demand Revenues means the change in Test Year Demand 
Billing Units during the Test Year divided by the change in the number of Test 
Year Customers during the Test Year and is computed separately for each 
billing class of customers. 

2.22. Demand Charge K Factor (Kd) means the Average Energy Revenue divided 
by Incremental Energy Revenues and is computed separately for each billing 
class of customers.    

3. Revenue Stability Adjustment Factor 

In addition to the amounts otherwise due from the customer under the customer’s 
applicable rate schedule, the customer shall pay an additional amount, in the case of a 
positive adjustment, or receive a credit, in the case of a negative adjustment, equal to the 
Customer Charge Revenue Stability Adjustment Factor, the Demand Charge Revenue 
Stability Adjustment Factor and the Energy Charge Revenue Stability Adjustment Factor 
as calculated in Section 4 of this rate rider multiplied by the customer’s customer, 
demand and energy billing units, respectively, appearing on the actual bill to which each 
such adjustment factor is being applied. 

4. Calculation of Revenue Stability Adjustment Factors 

4.1. Customer Charge Revenue Stability Adjustment Factor – The Customer 
Charge Revenue Stability Adjustment Factors is equal to the sum of the amounts 
resulting from the calculations in Sections. 4.1.1 and 4.1.2 below: 

4.1.1. Change in Customer Charge Revenues – The Change in Customer 
Charge Revenues divided by Estimated Customer Charge Billing Units. 

4.1.2. Reconciliation of Differences Between Previously Estimated Customer 
Charge Billing Units and Actual Customer Charge Billing Units for 
the Reference Month –  An amount equal to the difference between 
Expected Customer Charge Adjustment Factor Revenues and Actual 
Customer Charge Adjustment Factor Revenues divided by Estimated 
Customer Charge Billing Units. 

4.2. Demand Charge Revenue Stability Adjustment Factor --  The Demand 
Charge Revenue Stability Adjustment Factor is equal to the sum of the amounts 
resulting from the calculations in items 4.2.1 and 4.2.2 below: 

4.2.1. Change in Demand Charge Revenues – The Change in Demand Charge 
Revenues divided by Estimated Demand Charge Billing Units. 

4.2.2. Reconciliation of Differences Between Previously Estimated Demand 
Billing Units and Actual Demand Billing Units for the Reference 
Month – An amount equal to the difference between Expected Demand 
Adjustment Factor Revenues and Actual Demand Adjustment Factor 
Revenues divided by Estimated Demand Charge Billing Units. 
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4.3. Energy Charge Revenue Stability Adjustment Factor --  The Energy Charge 
Revenue Stability Adjustment Factor is equal to the sum of the amounts resulting 
from the calculations in items 4.3.1 and Error! Reference source not found. 
below: 

4.3.1. Change in Energy Charge Revenues – The Change in Energy Charge 
Revenues divided by Estimated Energy Charge Billing Units. 

4.3.2. Reconciliation of Differences Between Previously Estimated Billing 
Units and Actual Billing Units for the Reference Month –  An amount 
equal to the difference between Expected Energy Charge Adjustment 
Factor Revenues and Actual Energy Charge Adjustment Factor Revenues 
divided by Estimated Energy Charge Billing Units. 

5. Monthly Filing 

A Revenue Stability Adjustment Factor Reconciliation shall be filed monthly with the 
Public Service Commission (Commission) and become part of the Company’s approved 
rates and tariffs, subject to any other rules and procedures of the Commission. 
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Section 3 –Model Revenue Stability Reconciliation Form  

[to be developed]
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Section 4 – Sample Completed Revenue Stability Reconciliation Form 

See associated Microsoft Excel Document available at: 

 http://WWW.raponline.org/MADRI/Archives/Uploads/Decoupling.zip

 

http://www.raponline.org/MADRI/Archives/Uploads/Decoupling.zip


Page 1 of 3Example Adjustment Calculation

General Service Class
Reference Month
Filing Month
Billing Month

Summary of this Filing
Demand Charge Revenue Stability Adjustment Factor 0.000862$            0.000878$            0.048246$            
Energy Charge Revenue Stability Adjustment Factor 0.000154$            0.000247$            0.000236$            

Filing Month >

Inputs Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data
Reference Month 

Data
Billing Month 

Data Test Year Data
Reference Month 

Data
Billing Month 

Data
August December September January October February

1   Customers 1,000                       1,010                    1,020                    1,000                    1,013                    1,020                    1,000                      1,017                    1,022                    
2   Demand Billing Units 60,000                     60,547                  61,117                  60,000                  60,726                  61,140                  60,000                    60,959                  61,254                  
3   Demand Tariff Rate 1.0500$                   1.0500$                1.0500$                1.0500$                1.0500$                1.0500$                1.0500$                  1.0500$                1.0500$                
4   Energy Billing Units 21,900,000              22,077,750           22,255,500           21,900,000           22,118,238           22,295,000           21,900,000             22,208,890           22,334,500           
5   Energy Tariff Rate 0.0919$                   0.0919$                0.0919$                0.0919$                0.0919$                0.0919$                0.0919$                  0.0919$                0.0919$                
6   Test Year Customer Growth 7                              7                           7                             
7   Test Year Demand Growth 399                          399                       399                         
8   Test Year Energy Growth 138,250                   138,250                138,250                  

K Factor Calculations
9   Demand Charge K Factor (Kd) [(Ln7 ÷ Ln6) ÷ (Ln2 ÷ Ln1)] 0.95000                   0.95000                0.95000                  

10   Energy Charge K Factor (Ke) [(Ln9 ÷ Ln6) ÷ (Ln4 ÷ Ln1)] 0.90183                   0.90183                0.90183                  

Example First Month Filing Example Second Month Filing Example Third Month Filing

October November December

October
December
February

August September
October November

December January

ThreeMonthExampleRateRiderRconciliationVer3.xls
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Filing Month >

Demand Charge Revenue Stability Adjustment Factor Calculation Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data
Reference Month 

Data
Billing Month 

Data Test Year Data
Reference Month 

Data
Billing Month 

Data
August December September January October February

11 Billing Units (L2) 60,000 60,547 61,117 60,000 60,726 61,140 60,000 60,959 61,254
12 Number of Customers (L1) 1,000 1,010 1,020 1,000 1,013 1,020 1,000 1,017 1,022
13 Average Billing Units Per Customer (L11 ÷ L12) 60 59.95 59.92 60 59.95 59.94 60 59.94 59.94
14 Tariff Rate (L5) 1.05$                       1.05$                    1.05$                    1.05$                    1.05$                    1.05$                    1.05$                      1.05$                    1.05$                    
15 Total Revenues (L13 X 14) 63,000.00$              63,574.56$           64,173.06$           63,000.00$           63,762.49$           64,197.00$           63,000.00$             60,960.36$           61,255.05$           

16 Target Revenues (Reference Month L12 X Test Year L13 X Test Year L14) 63,630.00$           63,819.00$           64,071.00$           
17 Demand Charge K Factor (Kd) (L9) 0.95000                0.95000                0.95000                

17 Change in Demand Charge Revenues ((L16- L15) ÷ L17) 52.67$                  53.69$                  2,955.11$             

18 Estimated Demand Charge Billing Units for Billing Month (L2) 61,117 61,140 61,254
19 Demand Charge Adjustment Factor (Reference Month L17 ÷ Billing Month L18) 0.000862$            0.000878$            0.048244$            

Reconciliation of Expected and Actual Revenues in Reference Month Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data
Reference Month 

Data
Billing Month 

Data Test Year Data
Reference Month 

Data
Billing Month 

Data
August December September January October February

20 Expected Demand Charge Adjustment Factor Revenues (L27 Two Months Previous) -$                      -$                      52.67$                  
21 Actual Demand Charge Adjustment Factor Revenues (Reference Month L11 X L25 Two Months Previous) -$                      -$                      52.53$                  
22 Under(Over)Recovery (L20 - L21) -$                      -$                      0.14$                    
23 Estimated Demand Charge Billing Units for Billing Month (L18) 0 0 61,254
24 Reconciliation Factor (L22 ÷ L23) -                        -                        0.000002              

25 Demand Charge Revenue Stability Adjustment Factor (L19 + L24) 0.000862$            0.000878$            0.048246$            
26 Estimated Demand Charge Billing Units for Billing Month (L2) 61,117 61,140 61,254
27 Expected Demand Charge Revenue Stability Adjustment Factor Revenues (L25 * L26) 52.67$                  53.69$                  2,955.24$             

DecemberOctober November

ThreeMonthExampleRateRiderRconciliationVer3.xls
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Energy Charge Revenue Stability Adjustment Factor Calculation Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data
Reference Month 

Data
Billing Month 

Data Test Year Data
Reference Month 

Data
Billing Month 

Data
August December September January October February

28 Billing Units (L4) 21,900,000      22,077,750           22,255,500           21,900,000           22,118,238           22,295,000           21,900,000             22,208,890           22,334,500           
29 Number of Customers (L1) 1,000 1,010 1,020 1,000 1,013 1,020 1,000                      1,017 1,022
30 Average Billing Units Per Customer (L28 ÷ L29) 21,900                     21,859                  21,819                  21,900                  21,834                  21,858                  21,900                    21,838                  21,854                  
31 Tariff Rate (L5) 0.0919$                   0.0919$                0.0919$                0.0919$                0.0919$                0.0919$                0.0919$                  0.0919$                0.0919$                
32 Total Revenues (L28 X L31) 2,012,610.00$         2,028,945.23$      2,045,280.45$      2,012,610.00$      2,032,666.03$      2,048,910.50$      2,012,610.00$        2,040,996.99        2,052,540.55        

33 Target Revenues (Test Year L30 X Test Year L31 X Reference Month L29) 2,032,736.10$      2,038,773.93$      2,046,824.37$      
34 Energy K Factor (Ke) (L10) 0.90183                0.90183                0.90183                

35 Change in Energy Charge Revenues ((L33 - L32) X L34) 3,418.71$             5,508.27$             5,255.28$             

36 Estimated Energy Charge Billing Units for Billing Month (L1) 22,255,500           22,295,000           22,334,500
37 Gross Energy Charge Adjustment Factor (Reference Month L35 ÷ Billing Month L36) 0.000154$            0.000247$            0.000235$            

Reconciliation of Expected and ActualRevenues in Reference Month Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data*
Reference Month 

Data†
Billing Month 

Data‡ Test Year Data
Reference Month 

Data
Billing Month 

Data
August December September January October February

38 Expected Energy Charge Adjustment Factor Revenues (L45 two months previous) -$                      -$                      3,418.71$             
39 Actual EnergyCharge Adjustment Factor Revenues (Reference Month L28 X L43 two months previous) -$                      -$                      3,411.55$             
40 Under(Over)Recovery (L38 - L39) -$                      -$                      7.16$                    
41 Estimated Energy Charge Billing Units for Billing Month (L4) -$                      -$                      22,334,500           
42 Reconciliation Factor (L40 ÷ L41) -$                      -$                      0.000000321$      

43 Energy Charge Revenue Stability Adjustment Factor (L37 + L42) 0.000154$            0.000247$            0.000236$            
44 Estimated Energy Charge Billing Units for Billing Month (L4) 22,255,500           22,295,000           22,334,500           
45 Expected Energy Charge Revenue Stability Adjustment Factor Revenues (L43 X L44) 3,418.71$             5,508.27$             5,262.44$             

Footnotes

* Test Year Data source is Company's last approved rate case or other "base period" data as determined by Commission.
† Reference Month Data is Company's Billing Records
‡ Billing Month Data is Company forecast expectations for billing month.

October November December

ThreeMonthExampleRateRiderRconciliationVer3.xls



MADRI REGULATORY SUBGROUP 
 

DYNAMIC PRICING: OPTIONS AND POLICIES 
 

November 2005 
 
Electric retail pricing can reflect the underlying costs of production, as expressed through 
the interaction of supply and demand in the PJM wholesale market.  There are different 
methods that accomplish this to varying degrees. Prices of this sort are referred to as 
“dynamic.”1  This paper identifies several dynamic price designs that the MADRI states 
may want to consider adopting for default (and provider of last resort) service in an effort 
to better align retail prices with wholesale costs and thereby enable consumers to more 
efficiently respond to changes in those costs. 
 
The several retail rate designs that have been successful in evoking changes in customer 
behavior are: 

• Inverted block rates; 
• Seasonally differentiated rates; 
• Time-of-use (TOU) rates; 
• Critical peak pricing (CPP); and  
• Real-time pricing (RTP). 

 
Of these, only CPP and RTP can actually induce immediate changes in usage that 
correspond to the short-run demand response that a system operator relies on, to some 
predictable extent, for grid operations—but their efficacy depends on the degree to which 
the rates reflect the real-time variability of wholesale prices, customer sophistication, 
ease of response, and program design.2  Inverted block, TOU, and seasonally 
differentiated rates can have positive long-term impacts on system load factor, resource 
needs, and efficiency, but they provide little incentive to adjust load in response to actual 
hourly or daily prices.   
 
Whether a particular rate design is appropriate–in a given state, for a given utility, to 
meet a particular public policy objective—depends on a number of factors: the usage 
characteristics of the customer class, the expected changes in demand and associated cost 
savings that it will induce, and the costs of metering, telemetry, and any other steps the 
utility must take to support the pricing.3  While experience in other utility service 

                                                 
1 “Dynamic pricing” is used to describe any rate design that aims to give customers a truer signal of the 
economic costs of meeting their demand than simple average cost rates.  Refer to the Regulatory 
Subgroup’s Scoping Paper on Dynamic Pricing, the Throughput Issue, and the Role of Distributed 
Resources in System Planning, 17 June 2005, for a more detailed background into dynamic pricing. 
2 Not included here, but which also send price signals and produce immediate changes in usage, are utility 
and ISO load management (or demand response) programs.  They are the flip side of prices: a customer 
reduces load in response to a payment rather than to avoid a high price.  The customer is, in effect, charging 
the system operator for the use of its right to consume. 
3 Not to mention all the other objectives of pricing that regulators typically balance when designing rates: 
fairness, simplicity, administrability, sufficiency, and so on.  In this paper we are focusing merely on the 
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territories will suggest what kinds of rate designs and associated facilities are cost-
effective, evaluation of alternatives will be necessary in order to determine their 
effectiveness for any particular utility.  The following sections describe rate designs that 
have proven successful elsewhere and warrant consideration by the MADRI states. 
 
Inverted Block, Seasonally Differentiated, and Time-of-Use Rates.  There is not much 
to be said here about these rate structures that utilities and utility commissions in the 
MADRI region do not already know.  There is a long history with these rates, both in the 
MADRI states and elsewhere.  The general characteristic of these rates is that they aim to 
price the usage of peak-coincident end-uses (e.g., air conditioning) at higher levels than 
that for basic usage.  They do not necessarily preclude the overlay of more dynamic 
pricing features, such as critical peak—indeed they can complement each other.  Insofar 
as there remain real opportunities to improve the long-run efficiency of production and 
consumption through customer response to these rate designs, we urge the states to 
consider their adoption.  Issues to be addressed include: 
 

• The break between initial and tailblock rates.  Inverted block rates make sense to 
the extent that, as a consumer’s monthly usage increases, there is an increasing 
coincidence of demand with times of peak.  This is an empirical question, 
although, given experience elsewhere, it’s likely that there is such a relationship.  
The key question then is at what level of monthly consumption should the lower-
cost initial block be capped.  There is a strong correlation between a customer’s 
usage level and the specific electric end-uses that the customer employs.  Lower-
usage customers typically use electricity for lighting, refrigeration, and 
miscellaneous appliances. There is empirical evidence that customers who use 
less than 300-400 kWh per month in the summer typically have little or no air 
conditioning use and tend to have their usage more concentrated in the lower cost 
hours of summer.  Higher-volume users, on the other hand, are more likely to use 
a significant amount of electricity for air conditioning during the highest-cost on-
peak hours.  This suggests that the tailblock threshold should be set somewhere in 
this range, although other considerations, such as equity and revenue stability, 
should be taken into account as well. 

• Seasonal differentiation.  The MADRI states are all summer-peaking and, thus, 
with seasonal rates, they see higher prices during the summer months.  A central 
consideration is the duration of the peak period: the longer it is, the less severe the 
differentiation between peak and off-peak prices.  The averaging of the costs of 
lower-temperature months into the summer period will mute the impact of the 
highest cost months.4 

                                                                                                                                                 
question of a rate structure’s contribution to economic efficiency (though narrowly: we do not address the 
environmental impacts of the rates).  
4 This point should be qualified somewhat.  Typical operational practices call for generation maintenance to 
be scheduled in non-peak months, and this has the effect of reducing operating reserves in those periods.  
Consequently, it is more possible (though perhaps still less likely) that “shoulder” months can see prices as 
high as in peak months. This, in fact, occurred in New England in 2004, when a heat wave in May caused 
spot prices to get as high as $6,000/MWh for a very short time. 
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• Times of use.  TOU rates differentiate prices among periods of the day (often also 
differentiated by weekday and weekend).  The key issue here is whether there are 
sufficient variations in costs among periods to justify pricing that will encourage 
consumers to modify their routine patterns of consumption.  If, for example, 
summer weekday peaks stretch from morning until evening, TOU prices might 
have only limited impact on usage, for the purposes of demand response.5 

• Metering.  Inverted block and seasonally differentiated rates require no special 
metering.  The typical spinning disc, “revenue” meter that simply measures the 
number of kilowatt-hours consumed in a period is sufficient to support these rate 
designs.  It is through the billing process that adjustments for the blocks and 
seasons are made.  TOU rates require a meter that segregates usage data by time 
of day (but this is not considered an “advanced meter”). 

 
Critical Peak Pricing.  CPP is a retail electricity pricing structure under which customers 
are charged a high price during a limited number of critical peak periods initiated in 
response to electricity market or system conditions such as wholesale price spikes or 
supply shortages.  Depending on the particular tariff, the critical peak price may either be 
fixed at a pre-determined level or varied to reflect short-term market or system conditions.  
Critical peak pricing may be combined either with a standard time-of-use rate or a flat 
rate.  There are CPP programs in California and Florida. 
 
California recently completed a two-year dynamic pricing pilot that compared the effects 
of inverted block rates (currently in effect) with TOU and critical peak prices.  It involved 
some 2,500 residential and commercial customers dispersed throughout the service 
territories of the state’s three large investor-owned utilities.  Its results are statistically 
significant.  A central finding of the effort is that customers of all types and usage levels 
were able to reduce and shift demand in response to critical peak prices, and that their 
responses produced greater reductions and bill savings than responses to inverted block 
and TOU prices yielded.6  Between 70 and 80 percent of the customers on CPP rates 
were able to change their usage, and by doing so were able to reduce their bills by 
anywhere from five to twelve percent.  They reduced their peak loads by 30 percent 
during critical peak days.  Customer acceptance of the CPP rate design was very high: 80 
percent of participants favored the rates, finding them easier to understand than the state’s 
five-tiered inverted block rates.  Of particular value to customers was the capability to 
automate (pre-program) their responses to high prices. And, lastly, investment in higher 
efficiency appliances and other end-uses increased among customers under the CPP 
tariffs.7
 
                                                 
5 This does not necessarily mean, however, that the rates are inappropriate.  They would still send 
meaningful signals about the time-differentiated costs of production, thus giving consumers incentives to 
more efficiently manage their loads over the long term, perhaps taking steps to avoid higher prices, and 
they would more fairly allocate the overall costs of service to those whose usage causes those costs. 
6 It was also true in California, as with Gulf Power’s program in Florida, that the CPP-induced demand 
response resource (MW reductions) was greater than that acquired through utility direct load-control 
programs. 
7 Levy, Roger, Retail Pricing Options for Small Customers: the California Statewide Pricing Pilot, 
presentation to the New England Restructuring Roundtable, 28 October 2005. 
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We recommend that states in the MADRI region consider adoption of critical peak 
pricing for default service customers.8  It would have the effect of making demand 
response a condition of service.  Issues to be addressed include: 
 

• Applicability.  To which customer classes should critical peak pricing apply?  The 
results of the California pilot challenge the conventional wisdom that low-volume 
customers cannot or will not modify their usage in response to price changes.  
Also affecting this question is the cost of metering and telemetry. 

• Voluntary or mandatory?  Rate designs that are optional typically lose a 
significant degree of their effectiveness, as customers who will benefit from the 
new rate without having to alter their load profiles will migrate to it, while those 
who will bills will increase under it (absent any response) will generally avoid the 
new rate.  The essential question for regulators is whether they are prepared to 
impose dynamic prices on default service customers. 

• Metering and telemetry.  The costs of communications and metering are coming 
down, thus improving the cost-effectiveness of the rate design.9  One factor 
affecting cost is the manner of deployment: there can be significant economies of 
scale associated with ubiquitous installations (which, necessarily, are required for 
mandatory CPP and other dynamic rate designs). 

 
Real-time pricing.  RTP links hourly prices to hourly changes in the day-of or day-ahead 
cost of power; in fact, most RTP programs currently in effect in the US are based on day-
ahead prices.  Currently, RTP is offered by utilities in most regions of the country, except 
New England and the mountain west.  In certain cases, RTP is feature of default service 
in restructured states, adopted not so much for its demand-response virtues but rather as a 
spur to encourage customers to seek out competitive suppliers.  Everywhere that RTP is 
optional, except in the case of Georgia Power, it has failed to enroll customers and 
produce meaningful demand response.  Where mandatory in default service, anywhere 
from three to 34 percent of the applicable customer base has remained enrolled, with 
significant amounts of demand subject to the hourly prices.10

 
RTP’s demand-response performance record is mixed.  A recent evaluation of programs 
in several jurisdictions suggests that mandatory default service RTP will yield some peak 
load reductions, but that RTP appears to have at least as much of an impact on the 
development of the overall market—by encouraging customer choice—than it does on 

                                                 
8 In summer 2006, a CPP pilot will be implemented in the service territory of Public Service Electric and 
Gas Company in New Jersey.  An interesting feature of the planned pilot will be its use of wholesale day-
ahead hourly prices for the retail critical peak prices.  As a consequence, both the occurrence of a critical 
peak event and the price associated with it will be variable.  Other programs, such as that of Gulf Power in 
Florida, set the critical peak price in the tariff (e.g., $0.29/kWh); only the incidence of the critical peak 
events is unknown. 
9 This has generally been the case as technology has improved and production increased.  Installed costs for 
interval meters with two-way communications capability in wide-scale deployment are currently in the 
neighborhood of $140/unit. 
10 Goldman, Charles, Does Real-Time Pricing Deliver Demand Response?, presentation to the New 
England Restructuring Roundtable, 28 October 2005. 
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customer usage patterns.  Critical to the effectiveness of RTP (as, for example, in New 
Jersey) is the commitment of policymakers and service providers to the program.11

 
We recommend that the MADRI states consider adoption of real-time pricing for large 
customers under default service.12  Issues to be addressed include: 
 

• Applicability.  Eligibility under current RTP programs ranges from customers 
with peak demands of two megawatts to as low as 300 kilowatts.  In certain cases, 
the threshold was reduced as experience with the program was gained. 

• Voluntary or mandatory? 
• One-part or two-part?  One-part RTP prices at the hourly price, adjusted as 

appropriate for delivery, congestion, line losses, and other relevant costs.  
Unlimited in this fashion, RTP places all price risk on the customer. Providers 
have developed risk mitigation (risk-sharing) products to address this concern: for 
example, price caps and floors, options for locked prices for limited periods, and 
triggers (where the spot price is paid only when it exceeds a specified minimum 
for a specified period). Two-part RTP consists of an “access” charge for using a 
pre-determined baseline quantity (e.g., baseline kWhs * embedded rate/kWh), and 
spot prices (or credits) for variations from the baseline. The baseline is often set 
on a customer-specific basis.  The two-part RTP rate is a more common form of 
price-risk sharing, and it provides a certain measure of revenue certainty for both 
the provider and the customer. 

 
Cross-Cutting Issues.  Dynamic rate designs for default and provider-of-last-resort 
service raise other questions that policymakers will need to address before they can be 
adopted.  CPP or RTP or any other rate structure that will significantly alter the nature of 
default service might also have financial or contractual impacts on the provider that 
warrant attention.  Some of these issues are: 
 

• Impact on competitively acquired default service.  Can the retail rate structure of 
default service (typically full requirements with defined prices for a specified 
period) that was obtained by competitive means (auctions, RFPs, etc.) be 
modified into a disaggregated dynamic daily product?  To the extent that default 
service is provided under contracts of specified duration, it is probably unlikely 
that significant changes can be implemented with revisiting all terms and 
conditions of service.  A sensible approach might be simply to call for specified 
rate designs as a term of service when putting the renewal of power supply for 
default service out to bid. 

• Risk.  Do dynamic price structures increase or decrease the financial and business 
risks faced by default service providers?  Is there, for example, a non-symmetry 
between revenue collections by the provider and payment for the energy supply 
contracts (caused by an inability to pass costs directly through to customers)?  
What, if any, measures (e.g., balancing accounts) should be taken to limit such 

                                                 
11 Id. 
12 We note that, in 2002, New Jersey implemented mandatory RTP rates for default service C&I customers 
with demands in excess of 2.0 MW.  Since then, the threshold has been reduced to 1.25 MW. 
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risks?  To the extent that there are new risks to be managed, a measured, phased-
in implementation of the new rate designs might be warranted, during which the 
overall benefits and costs can be evaluated and dealt with. 

• The economics of advanced metering.  The cost of the advanced metering is 
central to the question of the cost-effectiveness of certain types of dynamic 
pricing, e.g., CPP and RTP.  A commitment to these rate designs necessitates a 
commitment to the infrastructure in support of them.  Policymakers will need to 
address these issues of metering cost and cost recovery when evaluating the rate 
designs themselves. 

• Impact of price volatility on consumers.  While experience suggests that most 
residential consumers can deal with variable prices, there will nevertheless be 
some fraction of users that will not be able to adjust their consumption and will 
therefore see higher electricity bills under the new rates.  Policymakers may want 
to consider ways to mitigate this impact.  It may, for example, be appropriate in 
certain circumstances and for certain customers to introduce alternative price 
schedules that, for a premium, hedge the volatility risk. 

• Portfolio management.  How can dynamic pricing be integrated into a portfolio 
planning approach that aims to assure long-term stability and minimize volatility?  
Until there is meaningful experience with the rate structures, so that regulators 
and providers gain an understanding of how different populations respond to them, 
it will be difficult to accurately predict the resource value of the demand response 
that they provide.  This is something of a “chicken and egg” problem, but we 
don’t think it should dissuade policymakers from making greater use of dynamic 
pricing structures.  It will be important, from the outset, that regulators require 
detailed monitoring and reporting of consumer behavior (e.g., changes in load 
profiles and customer migration from default service), which will enable later 
evaluation of the benefits and costs of the new rates.  

 
Conclusion.  The potential for voluntary demand reductions induced by time-sensitive 
retail pricing reflective of underlying wholesale costs is significant.  MADRI can 
recommend that the region’s states implement dynamic price structures (in particular 
critical peak and real-time pricing), perhaps over time, for some or all classes of default 
service. 


